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Transmission System Operation
and Interconnection

Fernando Alvarado
The University of Wisconsin
Madison, Wisconsin

Shmuel Oren
University of California at Berkeley
Berkeley, California

Introduction

Stated simply, the ultimate objective of the transmission system is to deliver electric power reliably and
economically from generators to loads. Power systems are large, highly complex, ever-changing structures
that must respond continuously in real time. Electricity must be produced and delivered instantaneously
when it is demanded by a load. Power outages are not acceptable, so the system must also tolerate sudden
disruptions caused by equipment failure or weather. And the system must perform as economically as possi-

ble, with transactions and sales monitored accurately.

Another distinctive feature of the electricity system is its inherent dynamic effects, which must be considered
at all times even though they are difficult to explain and fully anticipate. Dynamic effects can be illustrated if
we liken the power system to a large ballroom with many chandeliers. Each chandelier (system load) is con-
nected to one or two other chandeliers by (big) rubber bands (the transmission lines). At strategic points these
rubber bands are also attached to the ceiling (these rubber bands, which support the whole structure by being
attached to the ceiling, represent the generators supporting the system). The whole structure is quite precari-
ous. Not only must it be strong enough to support the chandeliers, but the loss of any rubber band must also
be tolerated. Because the loss of a rubber band will set the whole pattern of chandeliers in oscillatory motion,
the system of interconnecting rubber bands (the transmission system) must be designed so that these oscilla-

tions do not become destructive and cause some or all of the whole ensemble to crash to the floor.

This paper addresses the operation of the U.S. electric power system in its evolution from a historic struc-
ture of regulated, vertically integrated, regionally franchised utilities to the present-day market in which

competition and entry by new participants is encouraged. Our specific focus is the impact of this industry
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restructuring on system operations. Our analysis presumes that the current structure of interconnected gen-
erators and loads will not be fundamentally altered. Examples of fundamentally different structures for the
delivery of electricity that are not considered here include such possibilities as the provision of electricity to
customers by means of isolated, distributed generators at every customer site. Another drastic alternative
that we do not consider would be the use of direct current (DC) transmission as the backbone of the entire
system. The cost of this alternative for the entire grid would be prohibitive. We presume that if these more
radical options are incorporated to some degree, they will be integrated into the existing, conventional alter-
nating current (AC) generation supply and delivery scheme. New generation is presumed to be either con-
nected or connectable to the existing grid. Likewise, we presume that control of the system will continue to
require real-time coordination between production and consumption, so we do not address electricity storage
(although increased use of energy storage whenever the economics justify it can be readily incorporated into
the current or any future system structure). The main impediments to energy storage are the cost and the
efficiency of the technology (a great deal of stored power is lost once it is reconverted back to electricity). In
short, as we address power system operations and interconnection, we assume that most of the fundamental
requirements for system operation cannot change although the rules for operating the system might (and
most likely will) be altered.

Traditional power system operation relies on the concept of independent but coordinated functioning of mul-
tiple “control areas.” A control area is a (usually contiguous) portion of the system (lines, transformers, genera-
tors, loads, and other equipment) under the supervision and control of a single operator (or group of
operators at a single locations or under a single administrative structure). Control center operators maintain
the system’s integrity—prevent outages and insure reliable operation—by following reliability rules that every
control area enforces. The rules are intended to balance supply and demand without creating overloads, con-
gestion, or other similar problems. Operations are based not only on maintaining a balance between supply
and generation but also on controlling the frequency of the system in a distributed manner. Sufficient reserves
are provided throughout the system so that it can tolerate the loss of any one component at any time (the

“N-1 criterion”). We do not anticipate that either requirement will change as result of restructuring.
The remaining sections of the paper address system operations as follows:
* Traditional operating policies and protocols associated with the role of operators.
*  The evolution of system operations into a competitive environment by considering two models:

* The “reliability-driven model,” in which markets are permitted to operate but reliability
concerns limit which transactions can take place, and, when necessary, previously

approved transactions are curtailed in the name of reliability,
and

e The “market-driven model,” in which the objective is to create a market that values reli-
ability sufficiently and is nimble and precise enough that reliability problems are solved
by market responses to price signals, which reflect system limits and thereby embody
reliability rules in the prices paid to generators or paid by consumers at various times

and locations.
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* Additional possible directions in which system operations and the transmission grid might

evolve.
*  Alternative scenarios and specific recommendations.

The objective of this paper is to delineate the conditions that will permit the creation of a power system
that supports and encourages competition without compromising reliability or operability. An underlying
premise is that a properly designed market structure that reaches all the way to system operations (i.e., an
increased use of markets for meeting operational needs) will yield higher throughput of electricity and more
appropriate utilization of the transmission grid than is currently the case. Such a market should include suf-
ficient incentives to grid operators to maximize their throughput not only in real time but also through
greater use of existing assets, e.g., by optimizing maintenance schedules, increasing live maintenance, main-
taining appropriate inventories of spare parts and components, and using dynamic line ratings to maximize
grid utilization. In the long term, this market structure should also encourage appropriate transmission grid

expansion.

Traditional System Operation Policies
and Protocols

The primary, traditional objective of power system operation is to maintain system integrity. This means

that uncontrolled cascading outages must be prevented. Maintenance of system integrity is referred to as
“security.” Closely related to the notion of security is the notion of “reliability.” Although we use the terms
interchangeably in this paper, reliability is generally understood to include the concept of adequacy of sup-
ply, which means that methods for procuring reliability can be devised. At bottom, however, both terms refer
to the avoidance of unintended blackouts.

The system is expected to maintain its integrity and continue to operate properly without a major disruption
even when a component fails. For example, if an overhead line fails because of a lightning strike, the resulting
fault requires that the line be taken out of service immediately to prevent a further expansion of the problem
or damage to system components. The protective relaying system is designed to accomplish this automatically
and more or less instantaneously. The overall power system should, however, continue to operate even with
this line out of service and in spite of the transient disruption caused by the fault. Likewise, even if the largest
generating unit were to suddenly go out of service for any reason, the system should be able to recover and
continue normal operation. Normal operation means that (1) the frequency of the system stays within accept-
able bounds, (2) all voltages at all locations are within required ranges, (3) no component is overloaded
beyond its appropriate rating, and (4) no load is involuntarily disconnected. The North American Electric
Reliability Council (NERC) has, over the years, developed a number of criteria intended to assure this degree
of system reliability and security. Regions such as the Western Systems Coordinating Council (WSCC) and
the Electric Reliability Council of Texas (ERCOT) follow similar objectives and protocols.

A second traditional objective of power system operation is to minimize operating costs. Thus, a system oper-
ator traditionally had two roles: to assure reliability and, in effect, run a real-time market. When conditions

were tight, security would take priority. Otherwise, economy of operation dictated the operator’s objectives.
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Tools for Managing Operations

In order to accomplish the two (sometimes conflicting) objectives of security and economy, system oper-
ators have at their disposal a number of tools to manage the system in real time. These tools range from
Supervisory Control And Data Acquisition (SCADA) systems that monitor and display the status of the
system in real time to more sophisticated tools such as State Estimator programs. A State Estimator program
gathers all available telemetry data (real-time measurements) on the system and gives a complete, real-time
picture of system status. An accurate, error-free picture of what is going on in the system is an important

precondition for running the system reliably.’

Operators also have means at their disposal for direct control of the transmission grid. These include control of
switching operations (inserting or removing lines and/or transformers), shunt injections (usually reactors and
capacitors inserted at buses, mainly as a means to regulate the voltage profile), and control of regulating trans-
formers and other series- and shunt-adjustable devices. Operators can also adjust system area set points to help
regulate system frequency, control flows on exports/imports to/from other systems, and maintain the Area
Control Error (ACE) within specified bounds. ACE is the difference between the total power exported by a
control area and the intended exports from the area, plus a component that represents the required contribu-
tion by that area to the control of system frequency. Control of interruptible load is also often within the

purview of an operator. In emergencies, many operators also have control of feeders and ordinary system load.

Control Areas

Control areas are central to system operation and interconnection and have well-defined boundaries. Flows
of power across control area boundaries are always metered and monitored. Although it may be possible to
operate a large interconnected system functioning as one control area, the practical difficulties of doing so
have been insurmountable to date. Even if the entire grid were to be integrated and operated as a single
whole, it is likely that the notion of control areas would survive in some form as a practical means to attain
distributed, decentralized, and redundant control. NERC is currently reviewing the notion of control areas

in order to better adapt it to a competitive environment.

For both historical and practical operational reasons, every location in the system is assigned to a control
area. Every control area in the system is “responsible” for balancing its generation with its load because the
amount of electricity generated must equal the amount of electricity consumed, plus losses. Whenever there
is insufficient generation, the entire system “slows down” (i.e., the frequency drops). The opposite occurs
when there is excess generation. Because the entire interconnected system is so large, it is most practical to
balance generation and load on an area-by-area basis. However, it is necessary to precisely measure how
much power is being exported or imported by an area to know whether the area is balancing its generation
and load. Gathering this information requires that every line or transformer connecting an area to any other
area be accurately metered and monitored in real time, and all measurements be aggregated at a central loca-

tion so that an accurate ACE can be monitored.

'Improvements in the area of metering, monitoring, and state estimation are significant steps in improving the trans-
mission grid. Although many improvements are currently technically feasible, investment in them has not been forth-

coming for many of the same reasons that investment in new transmission has been lagging.
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Related to the notions of control area and ACE is the concept of uninstructed deviations. As attempts are
made to adjust the ACE for each area, errors inevitably accumulate because the control actions of generators
(or loads, if permitted) are in reality different from what was intended or instructed; these are uninstructed
deviations. From these deviations arises the notion of “energy imbalance” as an ancillary service. Consistent
errors in one direction or the other by a number of participants (along with random changes in demand)
also give rise to frequency drift, which must be corrected with frequency regulation. In traditional systems,
uninstructed deviations have been handled by having systems “pay back” the energy at a later corresponding
period (peak or off peak). This approach has worked well over the years, but as we shall see below, it needs

to be revisited.

The question of whether the system would be better off with more or with fewer control areas (or whether
control areas might be replaced by a superior concept) has not yet been answered. It may be desirable to have
more numerous, smaller control areas to avoid communication problems, handling of large amounts of data,
and complexity that might make the system difficult for operators to understand. More control areas, however,
mean greater need for coordination among them and a considerable increase in the number of monitored tie
lines that must be precisely accounted for at all times. Fewer, larger control areas, however, might make the
system more vulnerable to the effects of failure of one control center. One key point is clear: all control areas

need to follow uniform (or at least compatible) practices for both reliability and business activities.

Generation Redispatch

In traditional power systems, an additional tool for system operators to maintain secure operation of the
system is generation redispatch, in which operators send orders to generators to increase/decrease their out-
put based on system security needs. In many systems, operators have access to tools that permit them to esti-
mate the cost (a proxy for price) of their actions. Thus, operators generally have at least some awareness of
costs. Increasingly, however, a larger portion of system generation (and also of load) is being bought/sold
under merchant contracts that specify specific levels of production at any given time. This effectively elimi-
nates adjustment of generator output as a primary tool for maintaining system security unless contracts are
written to grant the system operator this type of control. One approach to returning this control to the oper-
ator is to have generators offer incremental/decremental (inc/dec) bids for their output. That is, generators
indicate the price at which they are willing to increase their output by one MW (inc bids) or decrease their
output by one MW (dec bids), with limits for both. This arrangement permits the operator to reschedule
generation as before, at an explicit price. If an inc bid is exercised (a generator is asked to increase its out-
put), the price of increasing the generator output by one MW becomes the marginal price of electricity at
the generator location (this cost is also known as the locational marginal price, or LMP).

Depending on the design of the market, the costs of redispatch can be either absorbed as part of the cost of
system operations and paid by all participants using a cost structure in which these expenses are shared, or
these costs can be charged to those “responsible” for the need to incur redispatch costs. It is more efficient to
avoid the sharing of expenses by all because this approach tends to create incorrect incentives, although for
practical reasons and in cases of “common good” facilities, some sharing of costs by all is sometimes neces-
sary. An example of this type of situation would occur when a badly located generator for the conditions
may elect to produce power because it knows it will be paid the system price (which is high), thus helping
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create congestion and preventing other more valuable trades from taking place. The operator is then forced
to incur a redispatch cost to eliminate the congestion, but since all share on the resulting added cost, the
party most responsible for the congestion benefits.

Security

System security is achieved by making system operation tolerant of the outage of any component (some mul-
tiple outages are also considered). That is, the outage of any single system component (or predefined set of
components) should not cause a cascading outage of equipment that leads to a total or partial blackout. The
system should be secure even when an outage is the result of a “shock” such as a short circuit or fault on a
component prior to the component’s outage. A system that is resistant to the outage of any one component
is said to be N-1 secure. In a planning time frame, N-1 security means that the intact system must be able to
tolerate the outage of a component. In a planning timeframe, some allowance is often made for limitations
that the system will encounter in real time. One way in which this is sometimes done is by considering the
simultaneous failure of any one line and any one generator when doing planning time frame studies. In an
operations time frame, however, N-1 security means that the current system must be able to tolerate the
“next worst” contingency. Because an actual operating system may have already sustained the outage of one
or two components, this is tantamount to operating the system in an N-2 or N-3 condition from the plan-
ning point of view. Previous contingencies are “sunk events” from the perspective of system operations. This
means that, once a contingency occurs, meeting the N-1 criterion means considering the altered system, not

the original system, as the new base case to which the criterion must be applied.

It is almost universally accepted that N-1 security is fundamental to system operation and that achieving this
level of security is in roughly the same category as making sure that generation meets load: it must be done,
regardless of cost. However, once the goal is to make the system N-2 or N-3 secure, cost and other similar
considerations enter the picture. Operators have traditionally handled the threat of multiple contingencies
adaptively. For example, operators have been known to “move” generation closer to loads when storms
approach and the likelihood of an outage (or multiple outages) increases. “Moving” generation means
increasing generation at a location near the load and reducing the output of generators far from the load
(these actions must be taken together because balance between generation and load must be maintained).
Because of losses in the system depend on the pattern of flows in the transmission system, and changes in
losses also depend on transmission system status, an increase in load by 1 MW may require more or less than
1 MW to attain a new system equilibrium. By moving generation around under stormy weather conditions,
operators are, in effect, treating the weather as a contingency. Formalizing criteria for taking such measures is
not always easy, but efforts are under way to do so. In a traditional environment, the costs of such redispatch
are borne by all, but in a competitive environment these costs will be differentiated by time and location and
borne in accordance with the marginal price of electricity at any point in space and time. That is, every node
in the system has a possibly unique marginal locational price for electricity (an LMP) which, in theory,
reflects the cheapest way to deliver one additional MW of electricity to the location in question without
exacerbating problems on any line or other limits.

To maintain N-1 (or better) security and achieve a secure operating point that is resistant to cascading fail-

ures requires several preconditions:
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e  The system must have sufficient spinning reserves. Spinning reserves are generators that can
instantaneously increase their output when a decrease in frequency signals that load is
exceeding generation. If there are sufficient spinning reserves, system frequency will, after
the loss of the largest generator, automatically settle to a new, acceptable value as a result
because a sufficient number of other on-line generators will immediately pick up the defi-
ciency. Generators already at their limit plus other generators that do not have Automatic
Generation Control (AGC) cannot be counted on to provide spinning reserves. (The outage
of a component may be caused by a fault, which may pose additional problems of a dynam-
ic nature.) There is no fundamental reason why demand (load) could not provide spinning
reserve by reducing consumption in response to a frequency drop. Traditionally, demand
(particularly induction motor loads) provides spinning reserves by reducing consumption as
the frequency drops. However, this automatic reduction does not take place in most new
adjustable-speed drives (ASDs), which are electronic motor controls that adjust motor speed
independent of system frequency (unless programmed to do otherwise). The increased pen-
etration of ASD loads is reducing the “free” spinning reserves that loads have traditionally

provided to the system.

*  The system must have sufficient supplemental reserves to maintain system integrity after the
initial shock of a contingency. As the result of an initial outage, some components may end
up operating beyond their sustainable capability or may offer the system only limited-term
assistance. In either case, it is necessary to restore operating conditions that are sustainable
more or less indefinitely so that the system is ready to sustain a further outage without a
major cascading failure. In effect, the objective of supplemental reserves is to re-establish

spinning reserve margins.

*  Both types of reserves must be located so that they can deliver power as needed for every
possible outage condition. While spinning reserve is being relied upon, this delivery takes
place more or less automatically. When supplemental reserves are needed, it must be possi-
ble to rapidly maneuver the power system to a condition in which it is capable of delivering
the needed power. Such power readjustment must be possible after every event.

There is likely to be a tradeoff between the location of reserves and the strength of the transmission system.
If the system’s transmission capability is very limited (or fully utilized), reserves for possible contingencies
must be provided “locally” so that transmission is not necessary to access the reserves. If the transmission sys-
tem has ample capacity available, the use of remote reserves is practical. For radial situations, this assessment
is quite simple. In contrast to a network, a radial system has no loops and has only one way of sending
power via the transmission grid; if that one link fails, the system is disconnected. The only options after the
loss of the link are to generate power locally or to reduce load. In network situations with many possible
contingencies and changing flow patterns, the assessment of adequacy of reserves in relationship to the avail-
ability of transmission capacity can be a difficult problem. If a control area relies on remote reserves, the
transmission system must be able to deliver the reserve power when and if required. Although the distinction
between radial and network situations is complex, proper handling of the complexities and subtleties of net-

works is the key to proper operation and design of power transmission grids.
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A comment pertaining to reserves (as well as other “ancillary services”) is that reserves and energy markets are
in a sense complementary in grid operations but are substitutes in energy markets. As power markets mature,
the market structure may evolve to encompass more open-market instruments, such as forward trading (this
refers to the purchase of power ahead of the time where it is wanted rather than reliance on the spot or real
time market for electricity). Another structure that can help with assuring adequacy of reserves that might
evolve is the self-provision of reserves, where anyone in need of reserve services is responsible for providing it

themselves.

Traditionally, operators have relied on experience, training, and prior off-line studies that specify parameters
(often in the form of diagrams or nomograms) that indicate whether the current condition of a system is
acceptable from a security point of view. Today, more and more operators also rely on sophisticated power-
flow and contingency-analysis software that can assess system conditions in real or near-real time. Nomo-
grams continue to serve a useful purpose to account for real-time incorporation of stability limits. If system
conditions are determined not to be acceptable, the operator generally has at his or her disposal the tools

mentioned above to help address the problem.
Balancing generation and load

A system operator is in charge of frequency regulation in addition to system security. Electric power cus-
tomers expect that power will be a sinusoidal AC voltage waveform of 60 Hertz.> Many system and end user
components rely on this frequency. However, without some control of frequency (frequency regulation), the
frequency would quickly drift outside acceptable bounds as a result of even slight imbalances between gener-
ation and load. Responsibility for frequency regulation is almost universally organized based on control
areas. As mentioned above, every formally defined control area must match its generation to its load. NERC
rules (CPS1 and CPS2) specify exactly what is meant by proper balancing of load and generation. These two
rules recognize the random nature of system variations and require the balancing of production and demand
over designated intervals rather than at precisely all times (which would be virtually impossible). If a control
area has “undergenerated” over a short period, it is expected to “overgenerate” to compensate for the short-
age. This is accomplished by adjusting the ACE set point to increase the output of generators within the

control area. In other words, areas adjust their generator outputs if necessary in order to balance power.

In addition to balancing load and generation, control areas handle transactions. Transactions are scheduled
when the importing area schedules a net import and the exporting area schedules a net export. Even when
private parties from different areas engage in transactions, the ACE must be adjusted. In a traditional operat-
ing environment, errors in energy exports or imports (“inadvertent errors”) can accumulate. According to
traditional rules, energy errors must be “paid back” in a later corresponding period (peak or off-peak). This
rule implicitly assumes that (1) the accumulation of error is small and unintended, and (2) all peak-period

energy has approximately equal worth as do all off-peak-period energy.

No matter how good energy-balancing rules are, some frequency “drift” can develop because of sluggish
response of frequency regulation equipment, slight metering errors, and random factors; as a result, another

This voltage is expected to oscillate between a maximum positive value and a maximum negative value 60 times per
second, in a “smooth” manner following the shape of a mathematical sine wave. Departures from this waveform are
called “harmonics.” Departures in the frequency of oscillation are called “frequency deviations.”
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role of the ACE has been to bias generation to regulate frequency system wide. The definition of ACE incor-
porates a term that becomes negative when the frequency is above its set point and positive when it is below
its set point. An additional correction can be made to the ACE in order to maintain the exact number of
cycles over every time period (time correction or isochronous control). This time correction control is done

by temporarily adjusting the set-point frequency.

Operating the System Economically

In addition to maintaining security and regulating frequency, a traditional system operator was also in charge
of system economy. This meant that the operator sought a generator dispatch pattern that was not only
secure but was as economic to operate as possible under the security criterion in effect (for example, the N-1
criterion). With a given mix of on-line resources, no constraints, and no losses, the optimum operating point
is known to be the point at which the marginal cost of production is the same for every generator. When
transmission losses are taken into consideration, penalty factors or other schemes can be used to determine
the optimum operating point by adjusting the marginal cost of production according to the location of each
generator in the system. When constraints (or contingencies) must also be considered, the problem becomes
one of constrained economic dispatch. Finally, when the operator also takes into consideration other controls
available (such as tap adjustments or voltage settings), the problem becomes in effect a nonlinear constrained
optimization problem, better known as an Optimum Power Flow (OPF). In other words, the system opera-
tor can use generator outputs alone, or can use additional means of control in order to make the system

work better. All traditional systems use some form of economic dispatch.

Constraints increase operating costs. Thus, the existence of a transmission constraint iz a traditional power
system operated to minimize cost causes a higher operating cost than if the constraint were removed. To the
extent that eliminating a transmission constraint permits a more efficient operating point, greater transmis-
sion capacity lowers operating costs. If the constraint is in the flow on a line or transformer, it does not fol-
low that merely adding a line or otherwise increasing the capacity around the constraint will always result in
lower operating costs. It is possible that such actions will simply “move” the constraint to a different (and
perhaps less desirable) location, with negative consequences for the system. Examples of relocating con-
straints by adding capacity exist in both theory and practice. An additional issue is the possibility that there

may be multiple ways in which a constraint can be addressed, in whole or in part.

Tightly coupled to the problem of dispatch are the problems of operations planning and unit commitment.
If an insufficient number of resources are “on line,” (that is, already running and connected to the system)

it may not be possible to respond to a particular contingency without shedding load. Because security is
defined as the avoidance of (cascading) involuntary load curtailment, involuntary curtailment of load is
almost never acceptable. To avoid load curtailments, traditional control systems have relied on unit com-
mitment and operations planning to decide ahead of time which units should be in service at any given
moment. Determination of the optimal schedule for units to be committed during any given period general-
ly requires the solution of a rather involved mathematical problem known as a multi-period dynamic opti-
mization. This means that one must figure out not only the best combination of units needed to run the
system at any given future time, but also how that particular set of units affects the ability to run the system

at a later time, since once a unit is on line it is often desirable to keep it on line (many units are designed to
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have minimum “up times”). True optimization is difficult to attain, so simpler heuristics and approximations
are often used to make these decisions. For example, the problem is often solved in “whole hour” intervals, it
is often solved for a one-week time horizon, and many units that are “known” to be on (e.g., nuclear plants)
are not included in the mix. Another approximation often used is the assumption of a “perfect load forecast”
over the interval under consideration. Market alternatives that shift some of the complexity of commitment
decisions away from an operator to market participants have proven successful. Such strategies include
reliance on “self-commitment,” where units decide on their own when they want to be committed. The
requirement that offered prices by any unit be monotonically increasing in quantity (even if its marginal cost

of production decreases) is another strategy aimed at simplifying the operator’s task.
Additional problems of system operation

Some other key problems related to system operation are complex and difficult to explain. These include
dynamic problems (particularly the possibility of interregional oscillations between interconnected systems as
were experienced for several years in the Western Interconnection), “loop flows,” “unexplained flows,” prob-
lems of reactive power and reactive power reserves, and problems associated with flow-control devices (phase-
shifting transformers, some series flexible AC transmission system (FACTS) devices, and high-voltage DC
(HVDC) transmission lines’). Interregional oscillations arise almost naturally in relatively weakly coupled
systems with long transmission lines because of interactions between the controls of the governors and the
exciters of the individual generators. The prevention of such oscillations generally requires system-wide stud-
ies that represent the dynamics of generators and their feedback controls. The most effective solution to
these oscillations is often to install Power System Stabilizers at all or at least the most important generators.
Stabilizers would not normally be installed except in cases of extreme need because of their cost and com-
plexity. (Although the initial cost of purchasing a generator with appropriate power system stabilizer capabil-
ity is higher than the cost of a generator without this capability, the added cost at initial purchase is
significantly less than the cost of retrofitting a generator to add this capability.) All of these considerations

add complexity to the problem of managing system operation.

Because power system stabilizers cost money, individual generators in competition with one another would
not tend to install stabilizers; there is no direct benefit to the individual generator from installing a stabilizer
unless the real-time value of a stabilizer is established (under many conditions, its value will be zero, but on a
few occasions the value may prove to be extremely high) or a requirement is established that all generators
must install this equipment and thus share in the burden of system stabilization. Specifically, the value of a
stabilizer may prove crucial only under certain highly unusual conditions that may result as a consequence of

several component outages and/or unusual load or generation patterns.

3A FACTS device is a high-power electronic device intended to rapidly control system flows and/or voltages. FACTS
technology tends to be expensive to install and maintain but can alleviate many specific AC-system problems. HVDC
refers to high-voltage DC transmission, in which a rectifier is used to attain high-voltage DC power which is subse-
quently reinverted to AC power (possibly at a different frequency). The advantage of HVDC is that it permits greater
isolation between two regions of a system than AC transmission. However, the converter stations required at each end
of an HVDC line stations are expensive and subject to many technical problems. Moreover, it is difficult (some argue
that it is impossible) to build large HVDC networks.
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Application of the N-1 Criterion

The N-1 criterion for system operation is deterministic. It requires that the system be able to tolerate the
outage of any one component without disruption and does not concern itself with the probability of an out-
age. Even if an outage or contingency is highly unlikely, the criterion is still generally applied because system
failure when a component is lost is unacceptable. The cost of meeting this criterion is not questioned; the
criterion is generally considered as fundamental as the need to balance generation and load. (In practice,
some probabilistic considerations do enter into the criterion in the definition of what constitutes a credible
event worth guarding against. This issue is discussed in more detail in Kirby and Hirst, Reliability
Management and Oversight, in this volume.) The consequences of a failure to balance generation and load are
immediate and measurable: system frequency drifts. However, consequences of failure to meet the N-1 crite-
rion may not be directly observable unless a critical component goes out of service. The absence of actual
contingencies to reveal the failure to meet this criterion can create the false impression that a system is oper-
ating adequately when in reality it is operating at great risk.

The application of the N-1 criterion to generation outages is illustrated in Fig